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PREPARED DIRECT TESTIMONY

OF ALLISON F. SMITH

I.
QUALIFICATIONS

My name is Allison F. Smith.  My business address is 555 West Fifth Street, Los Angeles, California 90013-1011.  
I am employed by the Southern California Gas Company (SoCalGas) as the Gas Analysis Manager in the California Regulatory Affairs Department for SoCalGas and San Diego Gas & Electric (SDG&E).  I hold a Bachelor of Science degree in Mechanical Engineering from the University of California at Berkeley.  I have been employed by SoCalGas since 1990, and have held positions of increasing responsibilities in the Engineering, Customer Service, and Regulatory departments.  I have been in my current role as Analysis Manager since March, 2002.  In my current position, I am responsible for developing rate design policies and establishing gas rates for both utilities.  
I have previously testified before the Commission.  
II.
PURPOSE

The purpose of my direct testimony on behalf of SDG&E and SoCalGas is to present proposals for the allocation of margin and certain non-margin costs for utility service.  More specifically, the proposals can be grouped into the following areas:

· First, discuss Long Run Marginal Cost (LRMC) allocation. 
· Second, present an update of the LRMC and subsequent cost allocation of base margin for SoCalGas.

· Third, recommend this and subsequent cost allocation proceedings move to a 3-year cycle.

· Fourth, present the new Core Brokerage fee rate for the Combined Portfolios of SDG&E and SoCalGas.

My testimony is arranged as follows:

· Section III discusses the background on LRMC allocation. 
· Section IV presents an overview of the assumptions in the 2009 SoCalGas compliance LRMC study. 
· Section V presents the factors to annualize capital investment and O&M loading factors developed for the SoCalGas LRMC study.

· Section VI presents customer-related marginal costs.

· Section VII presents demand-related distribution marginal costs.

· Section VIII presents transmission marginal costs.

· Section IX presents storage unit costs.  

· Section X presents the allocation of authorized base margin based on the LRMC developed in this study.

· Section XI presents the reasons to move to a three-year cost allocation cycle.

· Section XII presents the Core Brokerage Fee for the Combined Portfolio of SDG&E and SoCalGas.
III.
LRMC METHODOLOGY

The Commission adopted the LRMC methodology to allocate Base Margin costs in D.92‑12‑058.
/  After much debate, the Commission adopted the techniques to calculate unit costs for each function.  However, it left open the opportunity for further refinement in future cost allocation proceedings.  Since the original LRMC decision, SDG&E and SoCalGas have updated their base margin LRMC studies pursuant to D.94-12-052, D.97-04-082, and D.00‑04‑060.  In each of these cost allocation proceedings, there has been much debate on the assumptions supporting the development of the functional unit costs and even the methodology that is appropriate to calculate the unit costs.  In particular, the following issues have continued to be controversial:  
1) Development and details of utilities’ resource plans; 

2) Derivation of marginal customer costs using the rental method vs. the New Customer Only (NCO) method; and

3) The appropriateness of replacement cost adders to the functional cost categories.

The Commission has acknowledged the contentious nature of these issues.  In SoCalGas’ 1997 BCAP decision, the Commission expressed frustration with the various problems related to the LRMC methodology for cost allocation purposes.  In referring to previous BCAP proceedings of SoCalGas and PG&E, the Commission stated, “In both cases, we find application of LRMC methodology leads to more questions than answers.” (D.97-04-082, mimeo, p. 43).  In a similar vein, the Commission agreed with the assessment of the Office of Ratepayer Advocates (ORA) regarding LRMC:  

As a result of its participation in various proceedings, ORA, now DRA, has concluded that the implementation of a LRMC methodology which is consistent with the Commission’s goals remains a challenge.  In concept, as described in textbook form, marginal cost sounds simple.  Yet, in actual implementation and practice, marginal cost can be controversial and result in distorted price signals. 
(D.97-04-082, mimeo, p. 43).  

The problems identified by ORA, now DRA, in SoCalGas’ 1997 BCAP included:  (1) forward-looking incremental cost approaches, (2) resource plans, (3) design criteria, and (4) methods for scaling of marginal cost revenues.  The Commission acknowledged that addressing the deficiencies in the LRMC methodology identified by ORA would require considerable Commission resources and a proceeding similar to a General Rate Case (GRC), not a BCAP.  

SDG&E and SoCalGas believe that the Commission’s methodological evolution in its application of LRMC for cost allocation in BCAPs over the last 15 years has resulted in measures of cost that no longer reasonably represent the true marginal costs of serving their customers.  The following are examples of the Commission’s deviation from established LRMC efficiency principles:

A.
NCO Method
In SDG&E’s and SoCalGas’ most recent BCAP decision (D.00‑04‑060), the Commission’s adoption of the NCO method of deriving marginal customer costs directly undermined appropriate LRMC pricing theory by not capturing the underlying cost to serve all customers and, thus, required a much larger “scaler” adjustment to compensate for the much lower “raw” LRMC cost levels.  The NCO method does not give efficient price signals to customers considering new hookups because the approach ensures that they will never pay the full costs incurred to hook up to the utility’s gas system.   Other customers will always pick up the majority of those costs.  This occurs because the NCO method takes the full cost per customer to hook up a new customer (not the annualized cost) and multiplies that value only by the average number of new customers to be added in that class.  Therefore, this method (except where the growth rate of a customer class is very high) will significantly understate true marginal customer-related costs, thereby artificially lowering core rates.  
For example, the Customer-related Marginal Cost for SoCalGas would be $1.041 billion and $0.552 billion under the Rental and NCO Methodologies, respectively.  
B.
Replacement Cost Adders
Similarly, the inclusion of replacement cost adders in the marginal cost computation effectively moves the resulting costs further away from true marginal costs.  This occurs because the inclusion of replacement costs in the LRMC methodology results in the double‑counting of replacement costs.  Through its use of Real Economic Carrying Charge (RECC) factors for annualizing the costs of plant investment for each function, the LRMC methodology already contains depreciation charges that account for the plant investment that is “used up,” causing the need for eventual replacement.
/  Because these replacement costs have already been accounted for, adding in a separate and explicit adjustment for distribution replacement costs double-counts these costs.  

The marginal cost for distribution, transmission, and storage are all based on annualized capital costs, and therefore, the marginal costs for these functions should not include replacement cost adders.  For the Customer-related marginal cost, the Rental method used by SDG&E and SoCalGas in this application also reflects an annualized capital cost.  However, if the Commission adopts the NCO methodology for Customer-related costs then it is prudent to include a replacement cost adder to get closer to the real cost of serving each customer class.
C.
Resource Plans
As part of LRMC ratemaking, transmission and storage expansion resource plans are a necessary element to determine forward‑looking rates for these services.  SoCalGas has conducted extensive studies to plan for the economically efficient expansion of its transmission and storage systems.  These plans have been filed in SoCalGas’ Cost of Service (COS) and BCAP proposals in the past and in the current GRC and BCAP.  Consumer groups have claimed that they do not have the resources available to conduct equivalent resource plan studies.  These groups have, therefore, introduced “proxies” for transmission and storage resource plans in COS and BCAP proceedings.  The Commission has included the costs of these proxies in rates, even though these proxies are not based on system requirements but have rather been included to justify shifting costs to the noncore customer class.  

SoCalGas has presented marginal customer costs based on the “rental” method, and marginal costs for distribution and transmission based on the estimated cost of incremental facilities required to meet demand growth.  SoCalGas’ use and support of the rental method is consistent with the Commission’s initial LRMC methodological approach which rejected the NCO method and approved the rental method.  The Commission stated:  “The NCO proposals of TURN and PG&E provide no persuasive reasons for the Commission to deviate from established methodology.”  D.92-12-058, 97 CPUC 2d 438, 463 (emphasis added).  The Commission has since deviated from that established methodology and approved the use of the NCO method in LRMC allocations.  
In the 1999 BCAP, SDG&E and SoCalGas each submitted a Joint Recommendation (JR) with the ORA and other parties, that presented a comprehensive settlement of the most contentious issues litigated in that proceeding.  As part of the JR, marginal customer costs were developed based on the NCO methodology.
/  However, the JR for each utility was submitted as a package and clearly stated that endorsement by the parties thereto (including SDG&E and SoCalGas) of the settlement should not be construed as acceptance of any individual positions or policies underlying the recommendation.
/  Consequently, SDG&E’s and SoCalGas’ support of each JR element did not reflect a change in their position on use of the rental method for LRMC allocations.  
In addition, SDG&E and SoCalGas continue to support application of LRMC without the use of replacement cost adders for customer-related, distribution or transmission.  Once again, SDG&E and SoCalGas’ position is consistent with the Commission’s initial position on this issue.  In D.92‑12‑058, the Commission did not include replacement costs in its definition of marginal costs.  In fact, the Commission expressly rejected a TURN proposal that was characterized by DRA as a replacement cost approach.  Four years later, in the SDG&E/SoCalGas 1996 BCAP decision, the Commission again expressly rejected use of a replacement cost adder, finding that replacement costs are adequately accounted for in the RECC factors used in the marginal cost calculations.  (D.97-04-028, mimeo, p. 48.)  The Commission has also deviated from its original position on replacement cost adders by including them for customer-related and distribution functions for PG&E’s LRMC rates.  
IV.
2009 LRMC STUDY FOR SOCALGAS
SoCalGas’ LRMC study includes marginal cost estimates for four major functional categories: customer-related, medium pressure distribution, high pressure distribution, and transmission
/.  

SoCalGas submits this LRMC study in compliance with D.92-12-058.  However, for the reasons stated in the embedded cost testimony of Mr. Emmrich, SDG&E and SoCalGas support the allocation of costs using the embedded cost methodology for this BCAP. 

In this BCAP, SoCalGas initially updated its LRMC study to reflect 2006 actual costs and allocations based on 2006 activities.  Based on ALJ Wong’s request at the Pre-hearing Conference and discussions with the Energy Division, the costs have been updated to reflect 2007 FERC Form 2 accounting data.  The appropriate marginal unit costs are developed for each functional category.  These costs are then escalated to 2009 dollars
/ to reflect SoCalGas’ estimated marginal unit cost for the BCAP period.  These marginal unit costs are then multiplied by the Commission‑adopted Marginal Demand Measures (MDMs) to determine the Total System Marginal Cost Revenue.

Each functional marginal unit cost consists of two components: a capital-related cost component and an operation and maintenance (O&M) cost component.  

The capital-related cost component reflects the capital investment required to serve an additional unit.  In the case of customer-related costs, this is the cost of serving an additional customer.  For demand-related costs, this is the cost of serving an additional increment of throughput.  Marginal customer-related capital costs have been developed using the rental method, which reflects the annualized capital cost of new hookups.  Marginal distribution capital costs have been developed using a linear regression model to determine the relationship between cumulative incremental demand growth and cumulative incremental investment over a 10-year historical and 5-year forecast period.  Marginal transmission capital costs have been developed using the prospective 15-year transmission resource plan presented in the testimony of Mr. Bisi.  
In addition to the capital-related costs, this study presents the O&M cost for each functional category.  First, the total direct O&M costs for customer-related and demand-related functions are determined.  These costs reflect the activities of field personnel and support services associated with field activities.  Next, a series of O&M loaders are applied to the direct O&M costs to reflect the indirect costs associated with providing natural gas service.  Indirect costs include pension and benefits, general plant, and other costs that are supportive in nature.  The O&M loading factors are applied to the direct O&M costs to develop the “fully-loaded” O&M cost for each class.  These “fully-loaded” O&M costs are added to the capital-related marginal costs to develop the unit marginal cost for each functional category.  

Further discussion on marginal cost calculations are presented later in this testimony.  
V.
MARGINAL COST ESTIMATION

A.
RECC Factors
RECC factors are used to convert capital investment into annualized capital costs.  The RECC factor, when applied to a capital investment, produces the first year revenue requirement of a series of annual capital charges that remains constant in real terms over the life of the asset.  The RECC factor is a function of authorized rate of return, inflation, salvage value, book life, and tax rates.  Based on the differing book lives and salvage values of utility assets, separate RECC factors have been developed for service lines, pressure regulators, meters, distribution, and transmission capital investments.

SoCalGas has updated its RECC factors using inflation assumptions from the Global Insight forecast report, updated tax rates, and SoCalGas’ discount rate of 8.68%, revised per AL 3199-A.  The authorized book lives and salvage values for the different investments have also been updated to reflect current factors.  

The RECC factors proposed in this proceeding are shown in Table 1.
/  

	Table 1 RECC Factors

	
	
	

	FERC 
	Account Name
	RECC 

	Account
	
	Factors

	
	GAS UNDERGROUND STORAGE 
	

	G-352
	Wells
	9.45%

	G-353
	Lines
	9.65%

	G-354
	Compressor Station Equipment
	9.51%

	
	GAS TRANSMISSION PLANT
	

	G-367
	Mains
	8.58%

	G-368
	Compressor Station Equipment
	9.21%

	G-369
	Measuring & Regulating Equipment
	9.13%

	G-371
	Other Equipment
	11.59%

	
	GAS DISTRIBUTION PLANT
	

	G-376
	Mains
	8.71%

	G-378
	Measuring & Regulating Equipment
	9.83%

	G-380
	Services
	8.86%

	G-381
	Meters
	9.56%

	G-382
	Meter Installations
	8.76%

	G-383
	House Regulators
	9.88%


B.
O&M Loaders
SoCalGas develops three distinct O&M loaders that are applied to direct marginal costs to develop the “fully-loaded” O&M cost for each functional category.  These loading factors reflect indirect costs for:  (1) administrative and general (A&G) expenses, (2) general plant, and (3) materials and supplies (M&S).  The A&G and general plant loading factors are percentages that are applied to the direct O&M costs for each functional category.  M&S costs are assigned to each functional category based on plant investment.  

1.
A&G Loading Factor
Marginal A&G expenses and payroll taxes are combined into a single loading factor.  This loading factor is calculated consistent with the methodology established by D. 92-12-058, with an adjustment to reflect the exclusion of storage-related costs.
/  The loading factor reflects the ratio of marginal A&G expenses plus payroll taxes to net O&M expenses.  Net O&M expenses are calculated as total O&M expenses minus the sum of fuel-related expenses, total production expenses and total A&G expenses.

Recorded year 2007 A&G expenses have been classified as either marginal or non-marginal on an account-by-account basis.  Consistent with D. 92-12-058, any costs that vary with either the size of labor force or the size of plant are deemed marginal costs for this study.  As shown in Table 2, the proposed A&G expenses and payroll tax loader is 30.48%.

	Table 2 A&G Factor

	
	
	

	
	Total Marginal A&G Costs
	$132,472,837

	+
	Total Payroll Taxes
	36,938,785

	=
	Marginal A&G and Payroll Taxes
	169,411,622

	
	
	

	÷
	Net O&M Costs
	555,858,327

	
	
	

	=
	Marginal A&G/Payroll Taxes Loading Factor
	30.48%


2.
General Plant Loading Factor
Gross general plant, as reflected in Federal Energy Regulatory Commission (FERC) accounts 390 through 398, includes general plant in service as of year end 2006 for structures and improvements, office furniture and equipment, computer applications and equipment, shop and garage equipment, and communication equipment.  RECC factors associated with each capital category and the amounts of gross plant in service at year-end 2007 are used to calculate a weighted average RECC factor.  This factor is then applied to gross general plant in service as of December 31, 2007 to derive an annualized cost for general plant.  This annualized general plant cost is divided by year 2007 net O&M expenses to derive the general plant loading factor.  Like the A&G loading factor, the general plant loading factor reflects the exclusion of storage‑related costs.  In Table 3, the proposed general plant loading factor based on year 2007 recorded data is16.44%.

	Table 3 General Plant Factor

	
	
	

	
	Total General Plant
	$566,103,523 

	x
	Weighted Average RECC for General Plant
	16.15%

	=
	Annualized General Plant Costs
	$91,399,156 

	
	
	

	÷
	Net Recorded O&M Costs
	$555,858,327 

	
	
	

	=
	General Plant Loading Factor
	16.44%


3.
M&S Loading Factor
M&S is comprised of materials and supplies kept in stock for use in daily field operations and in capital projects.  Examples of M&S items include pipe, valves, fittings, and safety equipment.  Recorded year 2007 M&S costs are allocated based on gross gas plant in each functional category.  Distribution M&S is further categorized as customer-related and demand-related distribution plant investment.  As with the other O&M loaders, storage-related M&S costs have been removed from this analysis.  

The functionally allocated M&S costs are annualized using an RECC factor, 12.97%, developed for M&S investments.  The annualized M&S costs are then added to the marginal O&M costs for each function as part of the fully-allocated O&M costs.  
Table 4 shows the functionalization of the year 2007 M&S costs and the derivation of annual M&S costs for each function. 

	
	Table 4  M&S Annual Costs

	
	
	

	
	Function
	2009$

	
	Storage
	$196,503 

	
	Transmission - Total
	$442,402 

	
	Distribution - Total
	$2,155,251 

	
	     Customer Related
	$998,370 

	
	     Load Related
	$1,156,881 

	
	General Plant
	$0 

	
	Total
	$2,794,155 


VI.
CUSTOMER-RELATED MARGINAL COST

Customer-related marginal cost reflects “the cost of a customer’s access to the gas utility’s supply system” (D.92-12-058, mimeo, p. 38).  The marginal customer cost is comprised of:  (1) the marginal capital cost of service, regulators and meters (SRM) and exclusive‑use facilities; and (2) the marginal O&M costs associated with SRM, Customer Services, and Customer Accounts.  

Table 5 presents a summary of the customer-related marginal cost for each customer class.

	Table 5 Marginal Customer-Related Cost

	
	

	
	$/customer

	Residential
	$155 

	Core Commercial / Industrial
	$586 

	Gas Air Conditioning
	$2,979 

	Natural Gas Vehicle
	$5,580 

	Gas Engine
	$5,317 

	Noncore Commercial / Industrial
	$22,608 

	Small EG
	$18,313 

	Large EG
	$55,758 

	Enhanced Oil Recovery
	$37,621 

	Long Beach 
	$63,108 

	San Diego Gas & Electric
	$56,059 

	Southwest Gas
	$83,904 

	Vernon 
	$36,737 

	DGN
	$24,004 


A.
Marginal Capital Cost
Consistent with D.92-12-058, the marginal capital cost reflects the facilities and equipment for: a) meters, regulators, and Meter Set Assemblies (MSAs), b) service lines, and c) exclusive‑use facilities.  Under the rental method, the annualized marginal capital cost was calculated using RECC factors for each class.
/  
For residential and small core commercial and industrial (G-10) customers, marginal MSA and service line costs are calculated using the number of new customer hookups in SoCalGas’ service territory for the years 1998 through 2006.  For other customer classes, all customers (not just new customers) belonging to a specific customer class are used to estimate marginal MSA and service line costs because of low customer growth rates and the large meter cost diversity.  

1.
MSA Costs
MSA costs include the cost of the meter, regulator, and other equipment required in hooking up a new customer to receive gas and the direct labor cost for installing the equipment.  Consistent with prior BCAPs, the marginal costs of MSAs have been updated in the following manner:

a)  
Meter size, type, and service pressure level information, at the customer level, were extracted from the Customer Information System (CIS).

b)  
Updated unit cost data for the various meter sizes, types, and service pressure levels are applied to MSA configurations at the customer level.

c) 
Customer-class-specific marginal MSA costs are the average MSA costs for all customers in each customer class.  

2.
Service Lines Costs

Consistent with D.92-12-058 and subsequent BCAP applications, the marginal costs of service lines have been updated in the following manner:

a)
Service line lengths, pipe types, and pipe diameter data, at the customer level, were extracted from SoCalGas’ service history file.

b)
Updated unit cost data by pipe type and diameter are applied to the average length of service lines for each customer in the various customer classes.
c)
Customer-class-specific marginal service lines costs are the average service lines costs for all customers in each customer class.

B.
Marginal O&M Costs
Customer-related marginal O&M costs are broken into five components: a) Customer Services, b) Customer Accounts, c) Meters and Regulators, d) Service Lines, and e) O&M Loaders.  The first four components comprise the total direct O&M costs.  O&M loaders, as discussed in Section V, are applied to direct O&M costs to derive fully-loaded O&M costs.  

In this BCAP, SoCalGas updates customer-class-specific O&M costs using year 2007 recorded O&M expenses.  

1.
Customer Services O&M Costs

Customer Services O&M costs include the field services’ recorded expenses associated with the maintenance and safe and reliable operation of SoCalGas-owned equipment (e.g., meters and regulators), as well as customer-owned appliances.  Customer service activities, and the associated costs, result from responses to customer service requests and internal work requirements.  Requests are categorized into generalized order types for which both frequency and duration are recorded.  Customer Services O&M costs also include support costs associated with related field activities such as field order dispatch costs, staff and supervision costs, communication costs, as well as an allocation of vehicle, tools and uniform costs.  

Orders are apportioned to customers and customer classes using data from SoCalGas’ Customer Services dispatching system, PACER.
/  The PACER system tracks orders by time to complete for each activity and customer class.

Customer Services O&M costs are recorded in functional accounts 870, 878 and 879.  These costs are allocated across customer classes at each functional account level based on either the total time to complete the orders or the total order volume.  Functional account 879.010 (Customer Services Field) is the largest customer services account.   These costs are allocated across customer classes based on the field time recorded for each customer class.  For activities where all orders are processed at approximately the same cost, the order volume is used to allocate costs across customer classes.  Functional account 880.302 (Customer Services Dispatch) is an example of costs allocated by order volume.

2.
Customer Accounts O&M Costs

Customer Accounts O&M costs are booked to FERC accounts 901-905.  Customer Contact Center, meter reading, and bill distribution are the primary activities reflected in these accounts.  Specifically, these accounts include the recorded expenses incurred to receive calls from customers requesting service, obtain monthly-metered gas consumption data of over 5 million meters, calculate and reconcile billing information, print and mail gas bills and collection notices to customers, respond to inquiries related to billing and collections, perform collection activities and process customer payments. 

Customer Resource Center activity, which is recorded in functional accounts 903.101 and 903.107, is one of the largest components of Customer Accounts O&M.  This includes field service calls, customer account inquiries, and general customer inquiries.  Customer Contact Center costs are allocated among customer classes based on the number of accounts and the weighted call volume.  Field orders are further tracked by type of activity (e.g., turn-on requests) and customer class. 

Meter reading, which is recorded in FERC account 902, is another significant component of Customer Accounts O&M.  The costs associated with manually reading core meters are allocated based on the weighted read times for core customer classes.  The costs associated with the daily collection of electronic measurement for noncore customers are allocated by the number of noncore active meters.

Bill distribution and remittance, which are recorded in FERC accounts 903.330 and 903.700, are another large component of Customer Accounts O&M.  These accounts reflect postage costs and the cost for remittance processing.  The allocation of these costs across customer classes is performed based on the number of active customer accounts. 

Supervision and staff support costs, FERC accounts 901, 903.1, and 905, are allocated based on the activities supported.  For example, Account 903.100 is allocated based on the allocation of all related line and staff functions, including billing, meter reading, customer resource center, and branch services.  The total allocation for these various functions are summed to develop the allocator for supervision of these functions.
3.
Meters and Regulators O&M Costs

Consistent with the methodology adopted in D.92-12-058, Meters and Regulators O&M costs are allocated based on two allocation methods.  Costs that are common to all customer segments are allocated according to each customer segment’s share of total connected meters in service.  Costs specifically identifiable as meter repair and replacement are allocated based on each customer segment’s share of the total number of meter repairs and replacements during the year.

4.
Service Lines O&M Costs

In this BCAP, SoCalGas proposes to allocate service line O&M costs to each customer class based on each class’ share of total service line footage at year end 2006.  For the 1999 BCAP, service line O&M costs were allocated to each customer class based on each class’ share of the combined total of the other three direct O&M costs:  Customer Services, Customer Accounts, and Meters and Regulators O&M costs.  At the time SoCalGas submitted its 1999 BCAP application, complete service line footage information by class was not available.  This information is available now.  There is a direct relationship between service line footage and costs associated with the operation and maintenance of service lines.  Therefore, service line footage is a more appropriate basis for allocating service line O&M costs than the combined total of the other three direct O&M costs.  

5.
O&M Loaders

O&M loaders discussed in Section V are applied to direct O&M costs to derive fully loaded O&M costs.  

The combination of marginal capital costs and the fully loaded customer-related marginal O&M costs form the total customer-related marginal cost for each customer class.  

C.
Customer Services & Information Costs

Customer Services and Information (CS&I) costs are booked to FERC Accounts 907 through 910.  The costs associated with the Energy Efficiency and Low Income Energy Efficiency programs are not part of Base Margin
/ and have been removed from the allocation of CS&I costs.  For the LRMC study, the A&G and General Plant loaders have been applied to the direct O&M in Accounts 907-910.  The resulting, fully-loaded CS&I cost is $37.1 million.  The allocation of these costs among the customer classes has been described in the embedded cost testimony of Mr. Emmrich.  
VII.
DEMAND-RELATED DISTRIBUTION MARGINAL COST
Consistent with D.92-12-058, distribution costs have been classified as customer-related or demand-related.  Customer-related costs were addressed in Section VI.  This section addresses the marginal cost of demand-related distribution costs.  The marginal cost for distribution consists of three types of costs:  capital-related, direct O&M, and indirect O&M.  The demand-related distribution capital costs are reflected in the plant accounts for mains (account 376) and measuring & regulating station equipment (account 378).  Distribution O&M costs are reflected in accounts 874, 875, 887, and 889 for mains and measuring & regulating (M&R) stations.  The indirect costs are included by applying the O&M loaders discussed in Section V.

The Commission acknowledged in D.92-12-058 that it is appropriate for SoCalGas to develop separate marginal costs for medium pressure distribution (MPD) and high pressure distribution (HPD).  This segmentation is appropriate because a significant portion of the SoCalGas’ total load is served directly off the high-pressure distribution system.

A.
Medium-Pressure Distribution (MPD) Marginal Cost
The MPD marginal cost consists of an annualized capital-related cost and the fully-loaded marginal O&M cost.  The derivation of each is described below.

1.
Marginal Capital Cost

Consistent with D.92-12-058, and subsequent BCAP filings, the capital-related marginal MPD cost is developed using a linear regression model.  The regression analysis establishes the relationship between cumulative peak‑day demand growth (the independent variable) and cumulative load-growth-related capital investment in the MPD system (the dependent variable).  Load-growth-related investment includes new business, pressure betterment and meter and regulating station investment.  The analysis period for the regression analysis is 15 years: 10 years of historical data (1997 – 2006) and 5 years of forecast data (2007 – 2011).  The resulting estimated coefficient of the independent variable represents the capital-related MPD marginal cost.  

The cumulative peak‑day demand growth is calculated based on the net positive change in the number of customers per year multiplied by the average peak‑day demand per customer for each class.  

The total annual footage for new business and pressure betterment by distribution pipe size and type is multiplied by the associated unit costs to obtain total annual investment costs. 

The marginal capital cost is multiplied by the weighted average RECC factor for distribution mains and M&R stations to yield an annualized marginal capital cost of $124.37 per Mcfd (in 2009$) of peak-day demand as shown on Table 6.

	Table 6 Marginal MP Distribution Cost

	
	
	

	Capital-related LRMC:
	

	
	MPD Regression Coefficient
	1,419 

	x
	RECC Factor
	8.76%

	=
	Annualized Capital-related LRMC ($/Mcfd)
	$124.37 

	
	
	

	+
	Direct O&M
	$7.55 

	+
	A&G
	$2.30 

	+
	GP
	$1.24 

	+
	M&S
	$0.20 

	
	
	

	=
	MPD LRMC ($/Mcfd)
	$135.66 


2.
Marginal O&M Costs

The marginal O&M costs for the MPD system include direct O&M costs and O&M loaders.  The year 2007 recorded direct distribution O&M costs are allocated between medium-pressure and high-pressure systems based on the split in total distribution investment between the medium and high-pressure distribution systems.  Table 6 shows the proposed direct and indirect marginal O&M costs.  

The proposed MPD marginal cost, capital and O&M combined, is $135.66 per Mcfd (in 2009$) as shown on Table 6. 

B.
High-Pressure Distribution (HPD) Marginal Cost
The methodology for calculating the marginal capital-related cost for the HPD system is analogous to the methodology used for the MPD system.  Cumulative load-growth-related investments in the HPD system are regressed against cumulative load growth.  Consistent with the methodology adopted in D.92-12-058, and used in subsequent BCAPs, the coincident peak-month demand served off of the HPD system is used as the measure of customer load for the HPD system.

The resulting marginal capital cost and marginal O&M costs for HPD are presented in Table 7.  The proposed HPD marginal cost, capital and O&M combined, is $1.76 per Mcfd (in 2009$) as shown on Table 7. 

	Table 7 Marginal HP Distribution Cost

	
	
	

	Capital-related LRMC:
	

	
	HPD Regression Coefficient
	18 

	x
	RECC Factor
	8.74%

	=
	Annualized Capital-related LRMC ($/Mcf)
	$1.61 

	
	
	

	+
	Direct O&M
	$0.10 

	+
	A&G
	$0.03 

	+
	GP
	$0.02 

	+
	M&S
	$0.00 

	
	
	

	=
	HPD LRMC ($/Mcfd)
	$1.76 


VIII.
TRANSMISSION MARGINAL COSTS

Consistent with D.92-12-058, and subsequent BCAP filings, the capital-related marginal Transmission cost reflects the Total Investment Method.  In D.06-04-033, the Commission adopted a policy, referred to as System Integration, to provide for the allocation of the integrated transmission costs of SDG&E and SoCalGas to all customers on a combined basis.  System Integration was implemented on January 1, 2008, using the scaled transmission marginal costs for each utility.  The scaled transmission costs were based on the marginal costs adopted in the 1999 BCAP for each utility.  These transmission marginal costs were based on the separate resources plans for each utility.  For this LRMC compliance case, SDG&E and SoCalGas will continue to develop marginal costs based on the separate resource plans for each utility.

In D.06-12-031, the Commission ordered SDG&E and SoCalGas to conduct a study to identify the costs of their backbone transmission facilities.  The study shows that 57% of integrated transmission system should be classified as Backbone Transmission and 43% should be classified as Local Transmission.  The details of this study are presented in the testimony of Mr. Schwecke.  With this differentiation of Backbone and Local Transmission, the transmission resource plan has been split in two pieces with marginal costs developed separately for the Backbone and Local Transmission.  
The transmission marginal cost presented in this testimony reflects the Backbone and Local Transmission marginal costs for SoCalGas only.  The Transmission marginal cost consists of an annualized capital-related cost and a marginal O&M cost, as described below.

A.
Marginal Capital Cost

Under the Total Investment Method, the cumulative transmission investment required to meet demand growth over a 15-year period is used to determine the capital-related marginal cost.  The 15-year transmission resource plan is presented by Mr. Bisi.  In his testimony, he states that there is zero capital investment required on the Backbone transmission system to meet the expected incremental demand growth over the next 15 years.  For SoCalGas’ Local Transmission system, he has identified two capital projects with a total investment of $91.4 million.
/  
B.
Marginal O&M Costs

The marginal O&M cost for the transmission system includes direct O&M costs and O&M loaders.  The year 2007 recorded direct transmission O&M cost is $53.2 million.  This transmission marginal cost reflects the total transmission O&M costs in FERC accounts 850-867, excluding compressor fuel and hazardous waste costs, which are not part of the authorized base margin.  To develop the separate marginal costs for Backbone and Local Transmission, this direct O&M cost was split 57%/43%, as discussed above.  The direct transmission O&M cost is then loaded with A&G, General Plant and M&S to determine the fully-loaded transmission O&M cost.

The proposed transmission marginal cost (capital and O&M combined) in 2009 dollars is $0.047 per dth for Backbone Transmission and $1.81 per dth for Local Transmission, as shown on Tables 8 and 9, respectively.

	Table 8 Marginal Transmission Cost

	Backbone Transmission

	
	
	

	
	 Total Investment, $Million in 2009$
	0 

	÷
	 Cold Year Growth (MMdth)
	25.9

	=
	 Marginal Capital Cost ($/dth)
	0

	x
	 RECC
	8.58%

	
	 Annual Capital Cost ($/dth)
	0

	
	
	

	
	 O&M, $Million in 2009$
	32.0

	÷
	 Cold Year Throughput (MMdth)
	997 

	
	 Marginal O&M Cost ($/dth)
	0.0321

	+
	 A&G and General Plant Loader
	0.0151

	+
	 M&S Loader, $/dth
	0.0002

	
	
	

	=
	 Total Marginal Cost ($/dth)
	0.0474


	Table 9 Marginal Transmission Cost

	Local Transmission

	
	
	

	
	 Total Investment, $Million in 2009$
	93.6 

	÷
	 Peak Month Growth (Mdth)
	5,443

	=
	 Marginal Capital Cost ($/dth)
	17.203

	x
	 RECC
	8.58%

	
	 Annual Capital Cost ($/dth)
	1.476

	
	
	

	
	 O&M, $Million in 2009$
	24.2

	÷
	 Peak Month (Mdth)
	106,726 

	
	 Marginal O&M Cost ($/dth)
	0.2269

	+
	 A&G and General Plant Loader
	0.1065

	+
	 M&S Loader, $/dth
	0.0002

	
	
	

	=
	 Total Marginal Cost ($/dth)
	1.8098


IX.
STORAGE MARGINAL COSTS

The BCAP Phase I Decision, D.08‑12‑020, adopted the Settlement Agreement between parties addressing a number of storage issues.  One of the provisions of the Settlement Agreement was to provide storage services at rates based on the embedded unit cost to be litigated in Phase II of the proceeding.
In compliance with D.08‑12‑020, the embedded unit costs from Mr. Emmrich’s study will be used to develop the allocation of storage costs.  The embedded unit costs are shown in Table 10 for each storage function. 
	Table 10 Storage Embedded Unit Costs

	
	
	
	
	
	
	
	

	
	Embedded Unit Cost
	
	
	
	
	
	

	
	     Inventory
	0.227
	$/Dth
	0.234
	$/Mcf
	
	

	
	     Injection
	28.724
	$/Dth
	29.591
	$/Mcf
	
	

	
	     Withdrawal
	9.459
	$/Dth
	9.745
	$/Mcf
	
	


X.
ALLOCATION OF BASE MARGIN

This section addresses the allocation of SoCalGas’ base margin using the LRMC methodology.  Table 11 presents the allocation of base margin costs by customer class.  First, the marginal cost for each function is calculated.  The sum of these margin costs are then scaled to the authorized base margin.  As discussed later in this testimony, there are certain costs that have been removed from base margin and allocated directly to each customer class.  

First, the Total Marginal Cost is calculated using the unit marginal costs discussed previously, which are multiplied by MDMs
/ to calculate the marginal cost revenue for each class.  The Commission adopted the following MDMs for SoCalGas in D. 92-12-058:

· Customer-related = number of forecasted customers in the class 

· Medium Pressure Distribution = Cold Year Peak Day Throughput   

· High Pressure Distribution = Cold Year Peak Month Throughput 

· Transmission = Cold Year Average Throughput

In D.92-12-058, the Commission treated the allocation of Transmission costs differently for PG&E and SDG&E.  PG&E’s transmission system separately identified its backbone and local transmission systems.  PG&E’s Backbone Transmission system was allocated on a Cold Year Throughput basis, while the Local Transmission system was allocated on a Peak Month basis.  SDG&E’s Transmission system was determined to be a Local Transmission system and was therefore allocated on a Peak Month basis.  Historically, SoCalGas has not differentiated its Transmission system into Backbone and Local functions.  Therefore, a single allocator was chosen for the entire Transmission system.  

In D.06-12-031, the Commission ordered SDG&E and SoCalGas to provide a study to determine a cost-based Firm Access Rights (FAR) charge.  The study sponsored by Mr. Schwecke established the cost split between the backbone and local transmission systems for SDG&E and SoCalGas.  Based on this study, the integrated transmission system of SDG&E and SoCalGas has been split as 57% Backbone and 43% Local Transmission.  In this BCAP, SDG&E and SoCalGas propose to use this split of Backbone and Local Transmission and request the Commission adopt the standard allocators for these types of facilities, i.e. peak month for Local Transmission and cold year throughput for Backbone Transmission.  
The resulting class-specific marginal cost revenue is then calculated for the forecast period.  The total system marginal cost is then reconciled to the authorized base margin using a scaling factor based on the Equal Percent of Marginal Cost (EPMC).  Certain costs, such as the costs associated with public access NGV compressor stations and uncollectibles, are directly assigned and added to the scaled marginal cost revenues to derive the utility’s base margin costs.
Per D.08‑12‑020, storage services are to be based on the embedded unit cost for storage.  The costs for Core Seasonal Storage, Core and Noncore Load Balancing, and the Unbundled Storage Program are based on the capacities established in the Phase I Settlement Agreement and Decision.  These costs have been allocated directly.  

The LRMC-based allocation of SoCalGas’ Total authorized base margin, $1.571 billion, is presented in Table 11.  
Note:  table updated for Phase I

	Table 11 LRMC Base Margin Allocation

	
	Base Margin
	   Average Year
	   Average Rate,

	
	$M
	Throughput, MDth
	 c/therm

	Residential
	$1,114,206 
	248,399
	44.9

	Core C/I
	$213,727 
	97,052
	22.0

	NGV
	$7,542 
	11,723
	5.3

	NR A/C
	$73 
	121
	6.0

	Gas Engine
	$3,170 
	1,808
	17.5

	SDG&E Core Storage
	$6,178 
	0
	0.0

	Total Core
	$1,344,896 
	359,103
	37.5

	Noncore C/I
	$76,058 
	144,016
	5.3

	Small EG
	$7,506 
	7,620
	9.8

	Large EG
	$66,171 
	275,076
	2.4

	EOR
	$5,275 
	15,619
	3.4

	Total Noncore Retail
	$155,010 
	442,331
	3.5

	Long Beach 
	$3,555 
	11,709
	3.0

	SDG&E
	$34,257 
	123,029
	2.8

	Southwest Gas
	$2,631 
	8,174
	3.2

	Vernon 
	$2,776 
	11,613
	2.4

	Total Wholesale
	$43,219 
	154,525
	2.8

	DGN
	$1,314 
	5,399
	2.4

	Unbundled Storage
	$26,387 
	0
	0.0

	Noncore Total
	$225,931 
	602,255
	3.8

	System Total
	$1,570,827 
	961,358
	16.3


XI.
TRIENNIAL COST ALLOCATION PROCEEDING (TCAP)
A three year cost allocation period is more efficient and reduces the burden on the resources of the Commission, interested parties, and SDG&E and SoCalGas.  Cost allocation proceedings are highly contentious and time-consuming to process.  For the utilities, it can take over two years to process including the planning necessary for the case.  For the Commission and interested parties, the filing inevitably bumps up against the statutory 18‑month window for processing cases.  From a strict efficiency standpoint, all parties involved would benefit from extending the cost allocation period from two years to three years.

The Commission has already recognized the efficiency in moving programs to three‑year cycles.  For instance, the energy efficiency and low income energy efficiency programs are currently on a three year cycle (2006-2008).  This was not always the situation.  Prior to 2006, energy efficiency and low income energy efficiency programs were on a two‑year cycle and not long before that the programs were on a one‑year cycle.  A TCAP is also consistent with the three‑year Firm Access Rights (FAR) period.  In D.06-12-031, the Commission established a three‑year term for the initial 5 cent per therm FAR charge which is expected to be effective October 1, 2008 through September 30, 2011.  On the electric side, the cost allocation proceeding is associated with the GRC cycle which is customarily a three‑year cycle.

A three‑year cost allocation cycle promotes rate stability for customers.  Instead of rates changing every two years as a result of cost allocation studies, customers can be assured that the structure for the rates will remain the same for a longer yet reasonable period.  For instance, in PG&E’s Gas Accord IV, D.07-09-045, the Commission continued the Gas Accord structure for three years, 2008-2010.  It is in the best interest of customers that a three‑year cost allocation cycle be adopted.  

A three‑year cost allocation period results in an immaterial change in the demand forecast.  The demand forecasts that are used for ratemaking purposes are an average over the cost allocation period.  For a BCAP, the average demand forecast for 2009 and 2010 are used to develop customer rates.  For a TCAP, the average demand forecast for 2009 through 2011 would be used to derive customer rates.  As Table 12 below shows, extendeding the cost allocation period by only one year has a minimal impact on the average demand forecast used for ratemaking purposes.


	Table 12:  SoCalGas Throughput (MDth) Average Temperature Year

	
	
	
	
	
	

	 
	2009
	2010
	2011
	2-Yr Avg
	3-Yr Avg

	Core
	
	
	
	
	

	Residential
	247,209
	248,403
	249,585
	247,806
	248,399

	Core C&I
	98,245
	97,129
	95,782
	97,687
	97,052

	Gas AC
	124
	124
	116
	124
	121

	Gas Engine
	1,819
	1,808
	1,797
	1,813
	1,808

	NGV
	10,332
	11,666
	13,172
	10,999
	11,723

	Total Core
	357,727
	359,129
	360,453
	358,428
	359,103

	Non-Core
	
	
	
	
	

	Non-core C&I
	143,918
	144,034
	144,097
	143,976
	144,016

	Electric Generation
	283,888
	280,328
	283,873
	282,108
	282,696

	EOR
	17,684
	14,586
	14,586
	16,135
	15,619

	Total Retail Non-core
	445,490
	438,948
	442,556
	442,219
	442,331

	Wholesale and International
	
	
	
	
	

	Long Beach 
	11,730
	11,684
	11,715
	11,707
	11,709

	SDG&E
	125,323
	127,180
	116,583
	126,251
	123,029

	Southwest Gas
	7,951
	8,174
	8,396
	8,063
	8,174

	Vernon 
	11,500
	11,622
	11,718
	11,561
	11,613

	Mexicali 
	5,366
	5,414
	5,417
	5,390
	5,399

	Total Wholesale & Intl.
	161,869
	164,074
	153,828
	162,972
	159,924

	Average Year Throughput
	965,086
	962,151
	956,836
	963,619
	961,358


XII.
CORE BROKERAGE FEE

In D.07-12-019, the Commission adopted the Omnibus decision, which in part establishes the consolidation of gas procurement services for both SDG&E and SoCalGas.  Pursuant to this decision, the utilities propose to change the core brokerage fee to $0.00148 per therm for all procurement customers
/ of SDG&E and SoCalGas. 

The core brokerage fee consists of direct and indirect costs for gas procurement activities. The direct cost includes labor and non-labor expenses incurred by the SoCalGas Gas Procurement Department in 2006 plus three new full-time employees at entry level for additional SDG&E gas procurement activities.  The indirect cost includes expenses incurred at various departments who provide support to Gas Procurement, such as Legal, Information Technology and Regulatory.  SoCalGas conducted a survey on the level of support and the responses were used to estimate indirect labor and non-labor expenses in 2006. SoCalGas divided the total brokerage fee expense by the actual core demand for SDG&E and SoCalGas in 2006 to arrive at the average core brokerage fee of $0.00148 per therm.  
This concludes my prepared direct testimony.  

�/ 	The LRMC allocation methodology was adopted in D.92-12-058, with implementation effective June 1, 1993 per D.93-05-066.  


�/ 	Note that this situation is not true in the case of customer costs estimated using the NCO method, which does not incorporate an RECC factor.  


�/ 	The JR for SoCalGas reflected NCO only.  The JR for SDG&E reflected NCO with replacement cost adders.


�/ 	SoCalGas continued to support the use of the rental method, if the Commission chose not to adopt the JR.  


�/ 	Per D.08�12�020, SoCalGas will provide storage services priced based on embedded unit cost for storage products.


�/ 	Escalation factors updated to reflect Global Insights data for first quarter of 2008.


�/ 	RECC Factors updated to reflect 2008 assumptions.


�/ 	D.01-12-018The Embedded Cost study of Mr. Emmrich assigned 4.7 3 percent of A&G expenses to storage.  


�/ 	Class-specific MSA RECC factors reflect the weighted average RECC based on the proportions of capital for meters, regulators and MSAs.  


�/ 	SoCalGas’ Customer Services dispatch system is called the Portable Automated Centralized Electronic Retrieval (PACER) system.  


�/ 	The EE and LIEE costs are recovered through a separate surcharge.


�/ 	Transmission and Storage Resource plan capital investment presented in 2008 dollars.  


�/ 	In the 1999 BCAP, SoCalGas used an avoided cost calculation to develop the marginal cost for Injection.


�/ 	The peak day, peak month, and cold year throughput forecasts for the various classes are presented in the demand forecast testimonies of Mr. Emmrich and Mr. Anderson.


�/ 	The storage embedded cost is presented in the embedded cost testimony of Mr. Emmrich.


�/ 	With the elimination of core subscription services under the Omnibus decision, there will no longer be a noncore brokerage fee.
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